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Abstract: Carbon capture and storage is key for sustainable economic growth. CO2-enhanced oil
recovery (EOR) methods are efficient practices to reduce emissions while increasing oil production.
Although it has been successfully implemented in carbonate reservoirs, its effect on wettability and
multiphase flow is still a matter of research. This work investigates the wettability alteration by
carbonated water injection (CWI) on a coquina carbonate rock analogue of a Pre-salt reservoir, and its
consequences in the flow of oil. The rock was characterized by routine petrophysical analysis and
nuclear magnetic resonance. Moreover, micro-computed tomography was used to reconstruct the
pore volume, capturing the dominant flow structure. Furthermore, wettability was assessed by contact
angle measurement (before and after CWI) at reservoir conditions. Finally, pore-scale simulations
were performed using the pore network modelling technique. The results showed that CWI altered
the wettability of the carbonate rock from neutral to water-wet. In addition, the simulated relative
permeability curves presented a shift in the crossover and imbibition endpoint values, indicating
an increased flow capacity of oil after CWI. These results suggest that the wettability alteration
mechanism contributes to enhancing the production of oil by CWI in this system.
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1. Introduction

CO2 emissions from the combustion of fuels and their impact on the environment are among
the greatest global concerns of our time. Maintaining continuous economic growth while reducing
emissions has been a challenging goal for decades [1]. Carbon capture and storage (CCS) is critical to
achieve the target of 26 Gton of CO2 per year by 2030 [2]. Within this context, CCS has been raising
well-deserved attention in recent years. According to a recent publication [3], CCS may account for
up to 33% of the total carbon abatement by 2050. With the current global emissions of the order of
42 Gton of CO2 per year, it is evident that research efforts to develop and deploy CCS technologies are
a priority nowadays [4].

Different separation and storage processes have been used to reduce CO2 emissions. A recently
published review analyzed the state-of-the-art of the different CO2 capture, storage, and utilization
methods [5]. Capture can take place before (pre-combustion) or post-combustion. Pre-combustion
methods consist of removing CO2 from a stream rich in this gas prior to the combustion reaction.
For example, low-temperature phase separation has been used to energy- and cost-efficiently remove
CO2 from pressurized syngas [6].
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On the other hand, post-combustion methods are based on absorption, adsorption, or membranes.
Chemical absorption with different solvents (mainly amine solutions) is a well-known process that is
widely used in natural gas processing [7]. A recent study reviewed the status of different solvents for
chemical absorption CCS at the industrial scale [8]. Moreover, adsorption of CO2 in solid materials has
been used for around 30 years [9]. The use of traditional adsorbents (such as alumina and zeolites) and
newer structures (such as metal–organic frameworks and polymers) was reviewed elsewhere [10–15].
Finally, the use of organic and inorganic membranes has been implemented for gas separation in both
pre- and post-combustion processes [9,16–19].

After capture, CO2 is injected in geological formations where it should be safely stored for at
least 10,000 years [5]. According to Bui et al. [9], enhanced oil recovery (EOR) [2] and injection in
saline formations [20] are the only storage methods with ongoing onshore and offshore projects at
the commercial scale. By contrast, other storage methods, such as injection in depleted locations [21],
ocean storage [22], and mineralization [23], are promising alternatives still in the development stage.
Furthermore, Zhang et al. [5] discussed other alternatives including enhanced gas recovery [24],
enhanced coalbed methane recovery [25], and applications in shale formations [26].

CO2 injection, a mature EOR method, can incrementally improve oil recovery from 5 to 20% of the
original oil in place mainly through mechanisms such as viscosity reduction, oil swelling, and miscible
displacement [27]. CO2-EOR accounts for an additional oil production of around 300,000 bbl per
day [9]. Furthermore, the over 13 large-scale CO2-EOR projects active in 2018 represented a capture
capacity of 26 Mtpa, and the number of active projects is expected to increase during the next several
years [28].

Carbonated water injection (CWI) is an alternative CO2-EOR method that consists of injecting
CO2 dissolved in the injection water [29]. As carbonated brine has a higher viscosity than CO2,
CWI presents a more favorable mobility ratio that results in a greater sweeping efficiency compared to
CO2 injection [30]. In addition, the dissolution of CO2 reduces the pH of the aqueous phase due to the
formation of carbonic acid, and this reduction plays an important role in oil–brine–rock interactions.
CO2 dissolution was reported to shift the wettability of carbonate rocks toward more water-wet [31–35].
This is caused by several complex phenomena that depend on the composition of oil, brine, and rock.
These effects include element changes on the rock surface by chemical reaction [36], surface charge
modification [37], desorption of adsorbed oil on the surface of the rock [38], and destabilization of
polar compounds in the oil [39], and they will be further discussed throughout this work.

CO2-EOR projects have been applied on the offshore Pre-salt carbonate fields of Brazil for over
a decade [40] to improve oil recovery while avoiding the emissions from the high CO2 volume in
the produced gas reported in some of the fields [41,42]. However, given the recent development of
these fields and their complex rock–fluid characteristics, the impact of CO2 dissolution on the flow
properties and ultimate recovery is still a subject of active research.

In this context, this work presents the experimental measurement of the effect of CO2 dissolution
on the wettability of a carbonate rock analogous to some Pre-salt reservoir fields through contact
angle measurement at reservoir conditions. Wettability was altered from intermediate to water-wet
by the injection of CO2. In addition, the rock was characterized through routine core analysis and its
pore structure was evaluated and represented using nuclear magnetic resonance and micro-computed
tomography (microCT). This porous medium, which captures the dominating flow system, was used
to perform pore network modelling of the immiscible flow under the capillary limit. The simulations
allowed the construction of the pore-scale imbibition relative permeability curves for both systems,
before and after CO2 dissolution, showing evidence of the effect of the wettability shift in the flow
capacity of oil and brine. The obtained plots show an increase in the crossover saturation, indicating
an incremental increase in the relative permeability of oil for a greater range of saturations.

To the best the author’s knowledge, this is the first work applying experimental measurements
of wettability in pore-scale flow simulations of flow for carbonated brine EOR in complex carbonate
systems analogous to the Pre-salt reservoirs. The results suggest an incremental improvement in the
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flow of oil, which contributes to increased production. However, the goal of this study is to analyze
the separate effect of wettability alteration on the immiscible flow in the porous medium. Other effects
such as viscosity reduction and mineral dissolution should be considered when performing oil recovery
numerical calculations.

2. Materials and Methods

The composition of the formation brine characteristic from a Pre-salt field is displayed in Table 1.
Brine samples were prepared by dissolution of salts (Sigma Aldrich, St. Louis, MO, USA, purity over
99.9%) in deionized water. In addition, CO2-saturated fluids were produced by injecting the required
mass of CO2 (Praxair, São Paulo, Brazil, 99.9% purity) in oil or brine in a high-pressure Hastelloy cell.

Table 1. Formation brine composition and total dissolved solids (TDS).

Ions Concentration [mg/L]

Na+ 57,580
Ca2+ 24,250
Mg2+ 2120

K+ 1200
Ba2+ 24
Sr2+ 1260

SO4
2− 54

Cl− 139,900

TDS 226,388

Table 2 shows the main properties of the dead oil sample for crude oil used in this work.
SARA (saturates, aromatics, resins, and asphaltenes) analysis was performed by the IP 143 n-heptane
precipitation method (asphaltenes) and medium-pressure liquid chromatography (saturates, resins,
and aromatics). Besides, the total acid number (TAN) and total base number (TBN) were calculated
using the American Society for Testing and Materials (ASTM) D664 procedures. A full characterization
of this Pre-salt oil is presented elsewhere [43].

Table 2. Crude oil characterization.

Crude Oil Properties

Saturates (wt.%) 64.06
Aromatics (wt.%) 25.98

Resins (wt.%) 8.46
Asphaltenes (wt.%) 1.50

Total Acid Number (mg KOH/g) 0.37
Total Base Number (mg KOH/g) 4.00

Moreover, the rock material used in this work was a carbonate rock from Morro do Chaves
Formation, Sergipe-Alagoas Basin. The Morro do Chaves Formation is located in the Northeast region
of Brazil. This Formation is composed of coquinas and shales [44]. Coquina is a carbonate rock
composed of cemented shell debris and sediments. The shells and shell debris were mechanically
sorted and were deposited by a transport agent [45,46]. The studied rock was collected from an outcrop
at the Atol quarry, located in Alagoas state in Brazil. This outcrop has been geologically well-studied
and -classified in the literature [47–51]. The coquina from this region of Morro do Chaves Formation
is composed mainly of whole and fragmented bivalve shells, with a low occurrence of ostracods,
and gastropods. The rock matrix is composed of siliciclastic components [48,50].

The pore system of the coquinas from Morro do Chaves Formation was strongly influenced by
the diagenetic process, which affected the connectivity of the pores, having a significant influence on
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permeability but low impact on porosity [48,49]. Previous works [51,52] studied the pore geometry
and highlighted the irregularity of pore shapes and sizes. Coquinas can have unimodal or bimodal
pore size distribution systems. Pores can vary from micro to meso-pores within the same sample.
In addition, there is no linearity in the relation between porosity and permeability of the coquinas
from this formation [52]. This heterogeneity makes coquinas challenging rocks for both experimental
analysis and computational simulation.

The coquina sample was 3.6 cm in length and 3.5 cm in diameter. The sample was cleaned with
methanol and toluene to remove any residual oil or salt that could have been in its porous system.
After the sample was cleaned and dried, it was characterized by geological petrographic description,
routine petrophysics, microCT, and nuclear magnetic resonance (NMR).

The geological characterization was done with a rock thin section with dimensions of
7.0 cm × 4.5 cm and a thickness of 30 microns. This analysis was done with a Zeiss Axioskop
40 microscope.

The routine petrophysics was done using the Advanced Automated Porosimeter-Permeameter
DV-4000, from CSL Capital Management, L.P (Houston, TX, USA). Porosity and pore volume were
measured using helium and the permeability was measured using nitrogen. The confining pressure
for the measurements was 500 psi.

The microCT images were acquired in the SkyScan 1173 equipment (Bruker, Kontich, Belgium).
Image reconstruction was done using the InstaRecon® software (InstaRecon, Champaign, IL, USA),
and image processing was done using Avizo® software (Thermo Fisher Scientific, Waltham, MA, USA).

For the NMR experiments, the Oxford MQC—5MHz (Oxford Instruments, Abingdon, UK)
equipment was used to acquire the transverse relaxation time (T2) using a CPMG sequence
from Coates et al. [53]. For that, the sample was saturated with NaCl synthetic brine with a
50,000 ppm concentration.

Equilibrium contact angle (CA) and interfacial tension (IFT) were measured in a Drop Shape
Analysis (DSA) Hastelloy high-pressure system (Kruss, Hamburg, Germany and Eurotechnica,
Bargteheide, Germany) equipped with high-precision pumps, pressure indicators, and a
temperature-controlling device. All experiments were carried out at 60 ◦C and 6.895 MPa (1000 psi).
Rock samples were cleaned using toluene and methanol, and CA was measured in both clean and
aged rocks. The latter were aged for one day in formation brine and 15 days in crude oil at 60 ◦C.
For the tests considering carbonated brine, both fluids (oil and brine) were saturated with CO2 at test
conditions prior to the experiment to reduce mass transfer effects. A complete description of CA and
IFT measurement experimental procedures both in the presence and absence of CO2 can be found in
prior works [38,43].

Primary drainage capillary pressure curves were obtained using a Core Lab Instruments
A-200 centrifuge. The coquina plugs were saturated in brine and immersed in oil. The speed
of rotation was increased in steps (from 500 to 9000 rpm), recording the volume of brine produced from
the rock on each step. The speed of rotation was converted to capillary pressure using the equations
presented by Hassler and Brunner [54], and the inverse method described in Albuquerque et al. [55]
was applied to analyze the data.

The simulations were performed using PORE software, developed by Engineering Simulation
and Scientific Software (ESSS) Corporation, Florianopolis, Brazil. PORE constructs a pore network
model from 3D microCT images, which are binarized based on a user-selected threshold. The binary
image is then developed into a pore network model of pores and throats based on the Maximum
Spheres [56,57]. The shapes of the pores and throats are then established based on their Form Factor
“G” which is defined as the cross-sectional area divided by the cross-sectional perimeter squared [58].
Euclidean geometrical shapes such as circles, squares, equilateral triangles, and prisms each have a
unique form factor, and the pores and throats are individually transformed into the closest matching
geometrical shape [59]. Multi-phase flow is then simulated based on the conservation of momentum
with increasing pressure steps sequentially from pore to pore through the connecting throats where the
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radii of curvature in the Young–Laplace equation is controlled by the geometrical shapes of the pores
and throats [60,61]. The contact angle and the interfacial tension are user-input parameters and were
selected based on lab experiments, and are presented in Section 3.2.

3. Results

This section presents the results for rock characterization, wettability alteration by CO2 injection,
and the effects of CO2 injection on relative permeability curves.

3.1. Rock Characterization

The coquina was classified as grainstone (Figure 1). It was composed of robust and medium shell
fragments, with a size varying from 0.3 to 9.0 mm. The rock was well-selected, with most bioclasts
ranging up to 4 mm. It was observed that rare siliciclastic grains were present (3%). There were
also rare fragments of disjointed ostracodes (2%) and traces of microcrystalline pyrite. The porosity
was classified as intraparticle, interparticle, vug, moldic, intercrystalline, and breccia, in which the
predominance was of intraparticle, interparticle, and intercrystalline porosities.
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Figure 1. Thin section of coquina sample classified as a grainstone. With the zoomed images on the
right, it is possible to observe the different pore types and the heterogeneity of the rock constituents.
Magnification of 2.5 times.

The coquina sample was characterized by its petrophysics characteristics. The porosity of the
sample was 19.8% and the permeability was 765.1 mD. Other properties can be found in Table 3.

Table 3. Routine petrophysics of the studied coquina sample.

Sample Pore
Volume (cc)

Porosity
(%)

Permeability
(mD)

Grain
Density (g/cc)

Diameter
(cm)

Length
(cm)

Weight
(g)

Coquina 6.8 19.8 765.1 2.69 3.5 3.6 74.3
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The sample was digitalized and 4304 microCT images were generated with 9.97 µm/voxel. During
the processing, a non-local means filter [62] was used to smooth the image and remove artifacts from
the acquisition process. After the image processing, it was possible to identify the different components
of the rock. The shells and minerals described in the thin section appeared as different shades of grey.
The pore space was identified as black and dark grey (Figure 2).
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9.98 µm.

To produce the digital capillary pressure and relative permeability curves, it was necessary to
segment the microCT images into pore and rock. For that, the Kittler and Illingworth method [63] was
used. With the segmented images, the digital total porosity was calculated, and the value obtained
was 15.3% for the whole digital sample (Figure 3). After that, a region of interest (ROI) was defined to
be used in the simulation process.
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Figure 3. The volume of interest used in the digital sample. (a) microCT images of the coquina,
and (b) rock matrix in grey and segmented pores in blue. (c) Segmented pore system.

The NMR data acquisition, interpretation, and transformation of T2 to pore size distribution are
discussed elsewhere [51]. It can be observed in Figure 4 that 82% of the pore size distribution had a
radius larger than 10 µm, which means that the microCT images at a resolution of 9.97 µm captured
the dominant porous space of this sample.
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3.2. Contact Angle Measurements

Equilibrium CA measurement tests were carried out on 15 day aged coquinas both in the absence
of CO2 and using CO2-saturated fluids. As CA was measured toward the brine phase, lower CA
values indicate a greater water-wet behavior. Figure 5 shows screenshots of the CA measurements,
giving evidence of the change in wettability caused by CO2 dissolution in oil and brine.
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Figure 5. Images illustrating contact angle measurements. (a) Measurement on an aged rock with
no CO2. (b) Measurement on aged coquina using CO2-saturated fluids. Images captured after 24 h
of experiment.

In addition, CA was measured in unaged coquina samples without CO2 dissolution. Figure 6
illustrates the results of tests including aged and unaged coquinas in the presence or absence of CO2.
It can be observed that, as expected, the unaged rock was water-wet, and aging shifted the wettability
toward neutral-wet. In addition, CO2 injection reduced the CA, increasing the water-wet behavior of
the coquina rock sample. These results will be discussed in Section 4.
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3.3. Capillary Pressure and Relative Permeability Curves

The PORE simulations were performed on a sub-cube centered on the lower right quadrant
comprising 1000 slices with a width of 1000 pixels and a height of 1000 pixels. A threshold of
56 was used, which yielded a porosity of 15.4% and permeability of 813 mD. At 9.97 microns per
pixel resolution, the porosity compares favorably with the NMR porosity at a diameter greater than
10 microns (16.2%), and the computed permeability is close to the measured permeability of 765 mD.

Primary drainage consists of the displacement of water by oil until reaching the connate water
saturation. As the rock is fully saturated with brine and has not been in contact with oil prior
to the primary drainage, the water-wet conditions of an unaged rock represent this stage [64].
Primary drainage capillary pressure curves were obtained experimentally and by numerical simulations
using the procedures described in Section 2. Connate water saturation (Swi = 0.089) was obtained
experimentally and used as input in the simulations for quality control. The contact angle value
obtained in Section 3.3 for the unaged rock (CA = 42.7◦) was considered. In addition, the experimentally
measured interfacial tension for this oil-brine system with no CO2 content (IFT = 10.5 mN/m) previously
reported by our group [43] was applied. Figure 7 shows good agreement between the experimental
and simulated curves.
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Imbibition, consisting of the displacement of oil by water, represents the oil recovery process.
It starts with the rock saturated with oil (at connate water saturation) at oil-wet conditions [64].
To compare the effects of water injection and carbonated brine injection, the imbibition relative
permeability curves were simulated using the experimentally measured CA and IFT values for each
case. CA values are reported in Figure 6 in this work, and IFT values were presented and discussed in
previous work by our group [43]. It should be noted that the objective of these curves is to qualitatively
analyze the effects of wettability and IFT alteration due to CO2 injection on multiphase flow in the
porous medium. They aim to support discussions regarding the effects of CO2 on fluid displacement.
As the quantitative effects of mineral dissolution and reactive transport were not included in these
simulations, they are not intended to provide quantitative input data for reservoir modelling.

Considering the results in Figure 6, the water injection case (with no CO2) indicated a neutral-wet
(CA = 89.5◦) rock and an IFT of 10.5 mN/m previously measured by our group [43]. By contrast,
the carbonated brine injection case consisted of a water-wet rock (CA = 64.5◦, Figure 6) and an IFT of
16.4 mN/m, as reported in the aforementioned study. The results are shown in Figure 8.
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4. Discussion

The results presented in Section 3 give evidence that CO2 dissolution (i.e., by carbonated
brine injection) shifts the wettability of the aged coquina sample from intermediate to water-wet.
This reduction in oil-wet behavior is in agreement with previous studies of carbonated brine injection
in carbonate rocks [33,34]. Several mechanisms were proposed to support this decrease in rock
hydrophobicity. Sohrabi et al. [39] related this effect with the reduction in brine pH after CO2

dissolution. This affects surface charges at oil/water and water/solid interfaces and may destabilize
polar compounds in the oil, reducing the oil-wet behavior of the rock. Chen et al. [37] studied the same
problem by experimental CA measurements and surface complexation modelling. They associated
pH reduction with the formation of positively charged species (i.e., >CaOH2

+ for calcite surface and
−NH2

+ for oil surface), which causes surface repulsion, reducing the wettability toward oil. Drexler
et al. [38] reported surface mineral dissolution and oil desorption to shift the wettability of oil-wet
carbonate reservoir rocks. Zhu et al. [36] related the change in CA (toward water-wet) to element
changes on the solid surface after introducing CO2 in the system. A reduction in carbon content on
the rock surface, which could be associated with carbonate dissolution, resulted in an increase in
hydrophilic behavior of the rock surface.
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The wettability alteration caused by carbonated brine is a consequence of the effect of pH reduction
on the oil/brine/rock interfaces. The TAN and TBN shown in Table 2 indicate that the oil used in this
work contains both acid and basic compounds. The acid compounds are in the negatively charged
dissociated state at intermediate or high pH [65]. In the absence of CO2, they interact with the positively
charged surface of the carbonate rock, resulting in the intermediate-wet behavior observed for the aged
sample. However, the acidic carbonated brine environment results in an increased concentration of
the protonated acid components and a reduced concentration of their negatively charged dissociated
species, reducing their interaction with the rock surface and, consequently, the wettability toward oil.

In addition, the increase in IFT for the carbonated brine (Section 3.3) also suggests a reduction in
the interfacial activity of the polar compounds at lower pH values. Drexler et al. [43] measured the IFT
for this oil and brine in the presence and absence of CO2 in triplicate experiments, and they found a 56%
increase in IFT for the systems containing carbonated brine. In addition, they reported the same trends
in experiments where the pH was controlled using buffer solutions. These results give evidence that
the surface activity in this oil is controlled by its acid compounds. As a result, a higher concentration
of the protonated acid compounds and a lower concentration of the deprotonated species results in a
diminished surface-activity. This effect was explained by Danielli [66], who measured the IFT between
different organic acids in bromobenzene solutions and water, controlling the pH with buffer solutions.
For all the systems containing organic acids, the IFT was reduced when the pH was high enough to
favor their dissociation. Furthermore, the reduction in IFT and concentration of surface-active species
at increased pH for crude oils containing acid polar compounds was also described in previous works
using CO2 dissolution [67] and acid/base buffers [68].

Besides the protonation of the acid compounds, basic compounds could also contribute to the
observed wettability shift. In acidic environments, these compounds are positively charged due to
protonation [69]. The presence of positively charged species at the oil/water interface induces repulsion
with the positively charged surface of the carbonate rock, increasing its water-wet behavior.

Finally, chemical reaction between the rock and the carbonated brine can also play a part in the
observed wettability alteration. Calcite, which is the major mineral constituent of the coquina rock
samples [70], reacts with the carbonic acid formed by dissolution of CO2. This reaction increases
the concentration of Ca2+, as described in the literature [33]. Furthermore, the potential determining
ion Ca2+ was reported to weaken the interaction between positively charged surfaces of carbonates,
such as chalk [71,72], and calcite [33], and the negatively charged compounds in the oil. As a result,
the water-wet behavior is increased after CO2 dissolution in the aqueous phase.

Digital rock evaluations of carbonate rocks were presented in recent publications [73–76]. However,
the coquina rock considered in this work presents a wide pore size distribution ranging from nanometers
to hundreds of microns, as shown in Figure 4. To the best of our knowledge, this is the first study
including the impact of carbonated brine on the imbibition relative permeabilities based on numerical
experiments for a highly complex carbonate rock sample with a wide range of pore sizes. The curves
obtained in this work (Figure 8) indicate the positive effect of carbonated brine injection on relative
permeabilities. A shift in the crossover point toward higher water saturation indicates the increase in
wettability toward water for carbonated brine injection [77]. This is also supported by the reduction
in the endpoint relative permeability to water observed for the carbonated brine [78]. As a result,
the obtained curves for carbonate brine injection illustrate an increased flow capacity (i.e., greater
relative permeability) of the oil phase for the majority of saturation values.

Relative permeability curves play a critical role in oil recovery and EOR [79]. By applying
appropriate upscaling techniques and considering mobility effects, capillary limit fractional flow curves
can be obtained to estimate the flow of oil and brine under no macroscopic sweeping effects [80].
The shift in wettability previously discussed indicates an increase in oil displacement by carbonated
brine injection, suggesting its potential for EOR applications.
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5. Conclusions

Carbonated brine injection EOR is an effective method of reducing CO2 emissions in oil fields
with high production of this gas. This work studies the effect of carbonated brine injection on the
wettability and multiphase flow for a carbonate rock system analogous to Brazilian Pre-salt fields.
Its main insights are summarized below:

Carbonated brine decreases the pH of the aqueous phase, favoring the protonation of acid and
basic compounds in the oil. This induces an increase in the positive charge (or decrease in the negative
charge) at the oil/brine interface and, consequently, increments the repulsion with the positively
charged carbonate rock surface. As a result, the wettability is shifted toward water-wet.

MicroCT at 9.97 µm resolution captured 82% of the pore size distribution according to the NMR
characterization, allowing the dominant system to be reproduced for pore-scale flow simulations.

Imbibition relative permeability curves obtained using pore network modelling for capillary
limit immiscible flow showed changes in the curve crossover and endpoints in agreement with the
wettability alteration found for carbonated brine injection. These changes contribute to increase the
flow of oil, favoring its displacement for EOR processes. However, quantitative recovery calculations
should also consider other effects, such as changes in mobility and brine–rock reactivity.
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